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Abstract 
Using a power generation dispatch model of the Electric Reliability Council of Texas (ERCOT) to estimate CO2 
capture from retrofitting an existing coal power plant, this paper estimates the system cost and revenue associated with 
handling CO2 input and output mismatch in an integrated source-sink pipeline by installing more injection wells into a 
saline reservoir to handle peak CO2 capture rates.   The fluctuations in CO2 capture (e.g. supply) are assumed to come 
from an existing coal-fired power plant in Texas operating according to a merit-order dispatch model with an imposed 
CO2 price.  We analyze a 20-year cash flow with CO2 demand for enhanced oil recovery (EOR) based upon a nominal 
purchase schedule over an 11-year lifespan of a high-quality candidate oil field, Conroe, along the Gulf Coast of Texas.  
With an assumed structured and inflexible use of CO2 for EOR, the deeper saline reservoir can sequester captured CO2 
that is not injected for EOR.  By performing a cash flow analysis with and without the EOR field and saline reservoirs 
included, the economic costs and benefits of coupling EOR and saline storage to a single coal generator are determined 
for a specific Texas case study.  At low CO2 prices, the EOR reservoir contributes more value than the saline reservoir, 
but the opposite is true at high CO2 prices.  This answer can be partly explained because as CO2 price increases, the 
analysis assumes constant demand of electricity and endogenously increases electricity prices but uses an exogenous 
constant oil price.  The method can be generalized to include additional coal-based plants as well as EOR and saline 
reservoirs in Texas to envision an entire carbon capture and sequestration network in a region with high EOR potential.  
© 2010 Elsevier Ltd. All rights reserved 
Keywords: carbon dioxide; sequestration; enhanced oil recovery; saline; carbon capture; cash flow 
1. Introduction  
This paper describes a methodology for estimating the cash flow and profits of a carbon capture and sequestration 
(CCS) plus enhanced oil recovery (EOR) system within the state of Texas.  By combining separate cash flows for a 
coal-fired electricity generator, a pipeline operator, and a combined EOR and saline sequestration operator, the analysis 
establishes a clear method to understand the costs of saline sequestration and the value of EOR for first movers of CCS 
in Texas.  The methodology is scalable to include additional individual coal-fired power plants as well as EOR fields 
for future analyses that include the specific details of the Texas geology.  Previous studies by the current authors and 
others have studied the Texas context, but without a full cash flow incorporating specific geologic characteristics [1-3].   
 
The carbon capture and sequestration network in the present study consists of one point source of CO2 connected by 
a single pipeline to an existing oil field that has potential for CO2-based enhanced oil recovery and an underlying saline 
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formation for CO2 sequestration.  The electricity generation unit (EGU) is modeled after one unit at a Texas coal-fired 
power plant.  The coal EGU operates within the Electric Reliability Council of Texas (ERCOT) electric grid and 
participates in the deregulated wholesale power generation market. The CO2 capture system is modeled as an amine-
based post-combustion system that has the capacity to capture CO2 from the full flue gas stream of the EGU at any time 
[4].   The geologic site is modeled as a “stacked storage” system where a candidate EOR oil reservoir resides above or 
below a saline reservoir into which any CO2 not used for EOR can be sequestered.  The primary reason that a saline 
sequestration reservoir is included is to sequester any CO2 delivered from the coal-fired generator that is either not 
needed for EOR or unable to be handled by the optimal number of EOR injection wells.  For example, in the early and 
later years of EOR at a single reservoir, less CO2 delivery is required than during peak oil production.  However, the 
coal EGU needs storage for all captured CO2 in every year.  The saline reservoir thus serves as a buffer for any 
mismatch in CO2 captured and CO2 injected for EOR.  Based upon previous work, we chose the Conroe oil field as the 
candidate EOR reservoir approximately 40 miles northwest of Houston, Texas [1-3].  Aside from being one of the 
highest quality EOR candidates in the Texas Gulf Coast, the geologic characteristics of the region deposited numerous 
deep saline aquifers suitable for CO2 sequestration.  
 
The economic analysis is structured upon the system representation in Figure 1, and a cash flow model calculates 
total system net present value and revenue.  Exogenous prices for coal, natural gas, oil, and CO2 dictate the merit-order 
dispatch of electricity generators in the ERCOT grid model as well as the revenues from oil production.  The cash flow 
is calculated for 20 years to include time subsequent to terminating EOR operations after an assumed 11 years.  The 
coal EGU is modeled as the only power plant within ERCOT to have CO2 capture capability for all 20 years.  Future 
work will include the economic effects from multiple fossil fueled power plants installing CO2 capture equipment in 
various years to investigate the benefits or drawbacks of being an early actor in a CCS network.  The present analysis 
assumes that a coal EGU will capture CO2 based only upon anticipated profits from selling electricity and not based 
upon any contract or agreement to sell a certain quantity of CO2 to an EOR or sequestration site operator.  The results 
from the present analysis will later be used to structure concepts for CO2 sales agreements or contracts between power 
plant and EOR operators.    
 
The economic calculations of this paper compare four different variations of the system model for a series of CO2 
prices ($/tCO2) imposed on CO2 emissions from both coal and oil combustion.  The scenarios analyzed are: 
 
1. No CCS on coal power plant (A only): No CCS network exists.  The result of the assumed CO2 price is a pure 
cost of emissions to the coal EGU without CO2 capture. There are no revenues from EOR because no CO2 
can be delivered.  
2. Full CCS system (A+B+C+D): Each component of the CCS network is included in the cash flow to calculate 
full system revenue. 
3. CCS with saline sequestration only and no EOR (A+B+D): The EOR costs and revenues are removed from the 
full system to separate economic effects from EOR. 
4. CCS with EOR only and no saline sequestration (A+B+C): The saline sequestration costs are removed from 
the full system to separate economic effects from saline sequestration. 
Figure 1: The final system cost calculation 
considers four major components: the coal 
power plant with capture, pipeline transport, 
enhanced oil recovery, and saline 
sequestration. 
2. Description of integrated CCS 
system 
2.1. Pipeline design  
For designing the pipeline, we 
assume that CO2 input equals CO2 
output such that the total quantity of 
CO2 in the pipeline at any given time 
is a constant.  Equation (1) is used to 
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estimate the pipeline diameter [5], where ΔP/ΔL is the pressure drop per unit length, assumed at 49 Pa/m [6], f  is the 
fanning friction factor for pipeline, assumed at 0.006, and ṁ is the maximum mass flow rate (kg/s) in the pipeline. The 
mass flow rate of CO2 is based upon capturing 90% of the maximum possible CO2 emissions rate of the modeled coal 
plant with generation capacity 613 MW. At the emission rate of 1.1 tonne/MWh, the input into Equation (1) is ṁ = 161 
kg/s.  Using a typical supercritical CO2 density of ρ = 927 kg/m3, and solving Equation (1) for the diameter, we obtain 
D = 0.4 m.  Using D = 0.4 m, and a length L = 200 km (long enough to tie a Texas Gulf Coast oil field to one of several 
coal power plants in Texas), the pipeline installation cost is calculated as approximately $80 million using Equation (2) 
from [6]. We assume the pipeline operating and maintenance cost to be $2.9/tCO2 based upon costs of operating natural 
gas and CO2 pipelines. 
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pipeline construction cost = $830,000LD  (2) 
2.2. CO2 capture and electric market analysis 
EGU revenues and CO2 captured are calculated using a first-order electricity dispatch model of the ERCOT grid. The 
model imports hourly electricity demand data and calculates marginal costs of electricity production for each power 
plant using cost and performance characteristics and assumed fuel and CO2 prices. In each hour, the cost-sorted merit 
order is produced, facilities are dispatched in merit order until hourly demand is met, and the electricity price is set 
equal to the marginal cost of the most expensive plant dispatched. The resulting output and electricity price allow 
calculation of revenue, profit earned, and CO2 emitted, and these results are then aggregated for each year. Capital costs 
do not generally influence dispatch decisions, so while they do not affect merit order in the model, they contribute to the 
cash flow analysis in Section 3.  Additional details on the dispatch model are discussed in previous work [7, 8].  
 
Electricity dispatch is simulated for 20 years (e.g. 2012-2031) for several CO2 prices. Hourly demand in future years 
is produced by increasing 2009 hourly demand by 1.74%/year as assumed by ERCOT’s latest forecast estimate [9, 10]. 
All studies assume $6.6/MMBTU natural gas and $1.5/MMBTU coal in all years [11, 12]. Though coal prices are 
historically stable, CO2 and natural gas prices have demonstrated volatility, so future work may consider realistic fuel 
and CO2 price paths as was done in previous analysis of CO2 capture systems [13].  
 
The power plants operating in the future ERCOT fleet are specified by adding facilities to the Environmental 
Protection Agency’s (EPA) eGRID database based on a current capacity planning report from the Public Utilities 
Commission of Texas [14, 15]. Future plants not included in the eGRID database are assigned cost and performance 
parameters typical of other ERCOT facilities of the same type. Figure 2 displays the installed capacity of each power 
plant type over time along with the annual peak electricity demand. The model uses the power plant average available 
capacity rather than maximum rated capacity to account for planned and unplanned outages and resource availability. 
Significant expansion of the coal fleet and a doubling of nuclear capacity in 2015 add a significant amount of traditional 
base load capacity. There are no current plans for new facilities after 2015, but natural gas combined-cycle (NGCC) 
units are added as necessary after 2025 to maintain sufficient capacity to meet peak demand. 
 
For each long-term study at a given CO2 price, the model calculates annual electricity generation, CO2 emitted and 
captured, revenue, and profits for the EGU without CO2 capture (Scenario 1) and with CO2 capture that must operate at 
full-load whenever the unit runs (Scenarios 2, 3, and 4). In CO2 capture scenarios, the amine-based CO2 capture system 
is assumed to use a 7m monoethanolamine (MEA) solvent that removes 90% of the CO2  from flue gas but reduces 
average available capacity from 490 MW to 360 MW [7]. Output is lower with CO2 capture, but marginal electricity 
production costs are also lower with CO2 prices above $17/tCO2. However, this threshold price assumes no cost to the 
EGU of CO2 transport and storage because this cost is accounted for in the pipeline and EOR/sequestration models.  
 
To demonstrate sample model results, Figure 3 displays total annual electricity generation across the study period 
with and without CO2 capture at $40/tCO2. Without CO2 capture, annual generation begins far lower than its maximum 
because the EGU has been displaced by wind- and more efficient coal-based capacity that come online before 2012. 
Output from the modeled coal EGU increases with demand, but new nuclear capacity in 2015 also displaces the unit 
when it cannot reduce CO2 emissions costs using CO2 capture. When CO2 capture is available, the facility is able to 
remain at base load throughout the study period, always generating near its annual maximum. 
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Figure 2: Projected electricity demand and ERCOT power plant fleet are 
used as inputs in the electricity dispatch model. 
Figure 3: At $40/tCO2 (generally with prices > $17/tCO2), CO2 capture 
allows the EGU to remain base load generation. 
2.3. Enhanced oil recovery and saline sequestration  
A stacked storage system is a carbon management technique that can be implemented by an EOR operator receiving 
large volumes of anthropogenic CO2.  In this study the EOR portion of the stacked storage operation refers to miscible 
CO2 injection, where CO2 is injected at a pressure higher than its minimum miscibility pressure.  To manage the daily 
and seasonal fluctuations of capturing CO2 from a coal-fired power plant while optimizing oil production from EOR, a 
deeper saline formation can be used to handle excess CO2 not needed for the EOR operation.  While not explicitly 
presented, the coal EGU emits and captures more CO2 during the summer afternoons than during spring and autumn 
nights.  Consequently, more CO2 injection capacity is needed in the summer than the spring/fall, and we design for this 
reality by designing the saline injection to handle peak CO2 flows.   
 
As an EOR operation matures, more CO2 is pumped from production wells and recycled for re-injection.  Doing so 
lowers the CO2 requirement for EOR, increasing the volume injected into the saline reservoir to maintain injection 
capacity to meet the inflow of CO2 from a coal-fired power plant.  As EOR oil production declines, the cost to re-
compress and recycle CO2 eventually exceeds oil profits from production.  At this point, both the EOR reservoir and 
saline formation can be used for storage.  This practice is assumed because the majority of EOR production exists 
within the first 10-12 years while a coal-fired power plant is built to last at least 30-40 years.  Drilling and injecting to a 
deep saline formation provides an EOR operator the flexibility to handle a continuous stream of CO2 from a coal-fired 
power plant, as injection rates for storage have more flexibility compared to the systematic CO2 injection for EOR.  
Ultimately, the oil produced from an EOR operation would offset some of the costs associated with long-term CO2 
storage into a deeper saline formation. 
 
The Conroe field was chosen as a large aging oil field that had 1.45 billion barrels of oil originally in place (OOIP), 
producing from the Cockfield formation [2].  To implement a stacked storage EOR operation at the Conroe field, it is 
assumed that the Wilcox formation is the deep saline aquifer used for long-term CO2 storage.  Table 1 gives the input 
parameters for both formations at the Conroe field. 
 
Table 1.  The input parameters used for this analysis of implementing a stacked 
storage operation at the Conroe field [RRC = Texas Railroad Commission, MSTB = 
thousand stock tank barrels]. 
 
For the EOR operation, it is assumed that at most 11% of the 
OOIP will be produced through EOR over 11 years.  The injection 
pressure for EOR is set at 80% of the fracture pressure (0.7psi/ft), 
whereas the injection pressure for CO2 storage is set at 90% of the 
fracture pressure.  The injection pressure for EOR is less to avoid 
development of preferential CO2 flow paths that could form with a higher injection pressure and bypass significant 
volumes of mobile oil.  With an injection pressure set at 90% of the fracture pressure for CO2 storage, injectivity is 
maximized without the risk of fracturing the overlying confining unit.  The EOR effectiveness, which dictates the 
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amount of oil produced per ton of CO2 injected, is assumed to be 0.260 tCO2/BBL.  The calculation of injection rates 
assumed radial flow and a constant pressure boundary condition. 
 
Drilling costs are a major economic consideration when evaluating the potential of a stacked storage operation.  
Since all of the EOR oil fields have been heavily drilled during primary and secondary recovery, both EOR injection 
and production wells are assumed to be reworked from existing wells.  This reduces capital costs compared to drilling 
completely new wells.  Drilling cost data from 2004 published by the Texas Railroad Commission was used in this 
analysis and adjusted to the 2009 U.S. dollar (Table 2). 
 
Table 2.  The drilling, capital, and operating cost variables for the three Texas Railroad Commission (RRC) District number 3 where the Conroe field 
resides.  The variables are used in different cost equations to evaluate project economics.  The ‘a’ and ‘c’ coefficients refer to capital costs (Equation 
(3) and (4), respectively), and the ‘b’ coefficients refer to operating and maintenance costs (Equation (5))  [16]. 
 
Equation (3) is used to calculate capital drilling costs where D equals depth, and the ‘a’ variables are taken from 
Table 2. 
Daea 10costsdrilling    (3) 
The fixed cost variable, a0, includes site preparation while the variable cost factor, a1, characterizes exponentially 
increasing costs depending upon drilling depth.  Equations (4) and (5) are used to calculate the remaining costs for 
installing and operating production and injection wells using RRC criteria that have two cost variables (c0, c1, b0, b1).  
Equations (4) and (5) are applied to calculate costs of injection and production equipment, costs to convert and equip a 
secondary production well into an EOR injection well, and the expected operating and maintenance costs associated 
with each well.  These cost variables established by the Texas Railroad Commission incorporate water disposal, 
electrification, pumping equipment, replacing the tubing string, and distribution lines.  The cost to rework a well is 
calculated using Equation (6).  Equation (6) includes the cost of pulling and replacing the tubing string and pumping 
equipment, both depth-dependent costs [16].  Table 3 shows additional economic assumptions taken from the 2006 ARI 
report and Bock et al. (2003). 
 
capital cost = c0 + c1D (4) O&M cost = b0 + b1D (5)  rework cost = c1D (6)  
 
Table 3.  Additional economic assumptions for both EOR and CO2 storage 
operations that are not included in Equations (3)-(6) [16, 17]. 
 
With the quantity of CO2 delivered induced by a carbon 
price ≥$25/tCO2 and an oil price of $70 per barrel, a total of 
238 injection and production wells are reworked for EOR 
operations, assuming a one-to-one production to injection 
well ratio (Figure 4).  With the same assumptions, 147 CO2 
storage wells are re-completed to the Wilcox formation (e.g. 
drilled from Cockfield to Wilcox) to create a stacked storage 
system.  Figure 4 illustrates the full system CO2 injection 
rates at both the EOR and CO2 storage operations over the 20 
year project life at ≥ $25/tCO2.  This distribution of CO2 injection rates and number of wells is the same for all scenarios 
except the $0/tCO2 scenario.  For the case of $0/tCO2, less total CO2 is transported to the injection site over 20 years, 
lowering oil production, and only 94 EOR wells and 149 saline sequestration wells are required.  For the first 11 project 
years, the injection of CO2 is dictated by EOR production, where the Wilcox handles excess CO2 from EOR and capture 
rates of CO2 above the annual average capture rate.  After the EOR operation ends in year 11, the active injection wells 
to both the EOR and storage reservoir are assumed to remain active.  As injectivity declines, the EOR operator has the 
options to convert an EOR production well into an injection well, rework an existing EOR injection well to below the 
oil/water contact, or re-complete an existing well to the Wilcox formation.  Based on a combination of optimizing 
injectivity while reducing drilling costs, the Cockfield formation is better suited for maintaining injection capacity after 
EOR while keeping the injection wells to the Wilcox active. 
 
Cost Unit
Injection equipment 265,000$   $/well
Production equipment 142,000$   $/well
CO2 compressor 13,300$     $/tCO2/day
Surface maintenance 20,500$     $/well
Subsurface maintenance (EOR) 26,900$     $/well
Subsurface maintenance (saline) 37,600$     $/well
Monitoring and verification 0.072$       $/tCO2
CO2 recycling 13.30$       $/tCO2
Lifting 0.25$         $/BBL
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Additional storage wells will be drilled to handle the difference between average and peak load CO2 capture rates.  
Without the ability to inject the peak CO2 captured from the coal EGU, this CO2 would be emitted to the atmosphere. 
The exact number of injection wells needed 
is dictated by geologic characteristics, 
injectivity of the storage reservoir, and CO2 
capture rate.  There is an inverse correlation 
between the cost of handling CO2 
fluctuations and geologic injectivity.  A 
desirable storage reservoir will handle CO2 
fluctuations with only a few additional wells, 
theoretically costing less than building large 
storage tanks and increasing pipeline 
diameters over tens or hundreds of miles.   
 
Figure 4. The net CO2 injection rates to both the EOR 
and CO2 storage reservoirs change over time to 
accommodate the changing needs of the EOR field over 
the first 11 years.  After EOR is completed in year 11, 
both geologic formations sequester CO2 with the 
majority in the saline reservoir.  This CO2 injection 
relationship is similar for all assumed scenarios except 
the $0/tCO2 scenario.  
3. Cash flow analysis 
Previous work by the authors has considered the impact of CO2 prices on operations of coal-based plants in the 
ERCOT electricity market [7, 13] separately from the Texas EOR market [1].  This section integrates these past 
analyses to estimate the system value of a coal EGU operating with CO2 capture together with the captured CO2 being 
delivered to an EOR/saline sequestration operator at a single stacked storage location (e.g. Conroe). 
3.1. Analysis and cash flow assumptions 
We integrate the revenue and cost figures (both capital and operating) from the analyses described above in a 
discounted cash flow model with financing.  Major assumptions and material flows are summarized in Table 4.  
Additional financial assumptions are 10% discount rate, 10 year loans at a rate of 12% for 60% of capital costs (40% 
equity), 2.5% of the loan amount is paid as the up-front fee, and there is 0.6% interest during construction.  Capital 
investments in carbon capture and pipeline infrastructure are made over 3 years (20% first year, 60% second year, and 
20% third year).  Capital investment in EOR and saline sequestration are made in one year.  Because we estimate total 
system profits, we do not need to prescribe the price at which either the EOR operator buys CO2 from the power plant 
or that the power plant pays the saline operator for CO2 sequestration.   The cash flow assumes that the pipeline operator 
profits at a 12% internal rate of return based upon capital and operating costs, and oil price is $70 per barrel.  We 
assume the capital cost of the MEA CO2 capture facility at $900/kW of net power before retrofit [18]. 
 
Pipeline transportation, CO2 sequestration in the EOR field and saline formations, captured CO2 that is not 
sequestered, and CO2 emissions from oil are costs to the system that are not absorbed within the system; hence they are 
negative in the cash flow.  For example, we factored the CO2 transportation costs and penalties for CO2 emissions 
associated with oil combustion (0.42 tCO2/BBL) as costs to the system.  In reality, consumers of oil products such as 
gasoline will likely pay these penalties and these could impact the oil price itself.  Note that dynamics among power, 
CO2 and oil markets would lead to change in consumption behavior; but these relationships are complex and not 
considered in this paper.  Thus, the results presented in the next section should be considered with this limitation in 
mind.  Table 4 shows the total CO2 flows for the full system scenario where at prices ≥ $25/tCO2, 60 million tCO2 are 
emitted while sequestering 89 million tCO2.  Thus, a net of approximately 25 million tCO2 are sequestered for the 
generated electricity and oil production. Accordingly, at a price of $0/tCO2, there is a net sequestration of approximately 
10 million tCO2 with less electricity generation (due to the coal EGU being uncompetitive in ERCOT) and less oil 
production. 
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Table 4.  The 20-year economic costs, oil production, and CO2 flow characterizing the CCS full system (A+B+C+D) scenario are the same for all 
CO2 prices ≥ $25/tCO2.   
 
20-year economic costs and parameters along with CO2 and oil 
flows of the full system scenario 
$0/tCO2 ≥ $25/tCO2 
CO2 Capture 
Capital cost ($million @ $900/kW) 557 
CO2 captured (million tCO2) 38 85 
CO2 emissions not captured at coal EGU, 20 years (million tCO2) 4 10 
Enhanced Oil 
Recovery 
Oil production (million BBL) 58 118 
CO2 for EOR, 11 years (million tCO2) 14 28 
CO2 sequestered in EOR reservoir, 20 years (million tCO2)  22 36 
CO2 emissions from oil, 11 years @ 0.42 tCO2/BBL (million tCO2) 24 50 
Capital cost ($million) 56 190 
Operation and maintenance costs, 20 years ($ million) 183 481 
State tax on oil from EOR (%) 8.6 
Royalty (%) 13 
Saline 
Sequestration 
CO2 sequestered in saline reservoir, 20 years (million tCO2) 16 49 
Capital cost ($ million) 90 220 
Operation and maintenance costs, 20 years ($ million) 458 
CO2 Pipeline 
Capital cost ($ million) 80 
Operation and maintenance costs, 20 years ($ million) 241 
3.2. Cash flow results 
In Figure 5, total system value in millions of dollars is reported for the four scenarios discussed in Section 1: no CO2 
capture, full system analysis, no EOR and no saline.  These values include 20-year net present value (NPV) for coal 
EGU net cash flow (NCF) from sales of electricity, pipeline NCF to generate 12% rate of return (similar to a regulated 
gas pipeline), EOR NCF, cost of sequestration in the EOR field (after oil production ceases in year 11), cost of saline 
sequestration, and cost of emitted CO2 from the coal EGU and assumed combustion of produced oil. Total system 
values indicate that at $100/tCO2, only the no 
capture scenario yields slight positive value 
based on our assumptions regarding the power 
plant’s sale of electricity and a fixed oil price 
of $70/BBL.  The high cost of CO2 emissions 
from oil renders the full system costly, and 
removing the saline sequestration adds to this 
social cost.  It is important to note that the 
coal-fired plant in this analysis is generating 
the same amount of power at higher CO2 
prices (> $25/tCO2) but is selling it at higher 
prices that reflect the cost of CO2.   
Figure 5.  The full system net present value with all 
portions of the CCS network in place is maximized near a 
price of $25/tCO2.  As the price of CO2 increases, so does 
the value of the saline reservoir, and the EOR portion of 
the network is most valuable at < $60/tCO2.  
EOR adds value at prices < $100/tCO2, as seen when comparing the full system and no EOR scenarios.  This value is 
larger at lower CO2 prices as cost of CO2 from oil is reduced.  When CO2 price is $25 or less, there is less incentive to 
do saline sequestration because the cost of emitting CO2 is low. Thus, the $0/tCO2 result intuitively indicates that the 
most valuable CCS system is the one operating without saline sequestration.  This $0/tCO2 result approximates the 
current business proposition in Texas for linking anthropogenic CO2 from a coal-fired power plant to a high-quality 
EOR field. 
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4. Conclusion 
The use of anthropogenic CO2 for EOR adds value, especially when the price of CO2 is less than approximately $60 
per ton.  There are also opportunities for saline sequestration to positively contribute to the overall system cash flow at 
high CO2 prices by allowing an EOR operator to more efficiently handle large volumes of fluctuating anthropogenic 
CO2 emissions.  However, there are system costs that need to be borne by various entities, including cost of the pipeline, 
which is very small relative to other parts of the system; cost of saline sequestration, which can be at least partially 
covered via the sale of CO2 emission permits; and cost of CO2 from oil, which presumably can be passed to consumers 
who adjust by reducing their consumption.  While this analysis has only looked at a single coal electricity generation 
unit connected to a single stacked EOR and saline storage location, it provides the foundation for repeating the 
methodology for other specific reservoirs and power plants in Texas.   
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